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A B S T R A C T   

One of the possible fluid-fluid interactions during water-flooding in oil reservoirs, that is still debated, is the 
effect of injected brine salinity on asphaltene destabilization. If asphaltene precipitation is induced by salinity 
changes in the oil reservoirs and surface facilities, this could have a massive impact on the economy of a low 
salinity water-flooding project. Therefore, this study aims to investigate the effect of brine salinity on the amount 
of asphaltene precipitation and the governing destabilization mechanisms. Direct asphaltene precipitation 
measurements, along with the analyses of optical microscopy images and ion chromatography (IC), indicate that 
the asphaltene precipitation mechanism is dependent on brine salinity. At a high brine salinity, ions play the 
primary role as possible nuclei for asphaltene aggregates and might promote asphaltene precipitation through 
asphaltene-ions bonding. While at low salinity, the polarity of the brine-oil interface causes the asphaltenes to be 
adsorbed toward the brine-oil interface, and this also might disrupt the stability of asphaltenes in the oil bulk. Of 
all the brines investigated, the highest amount of asphaltene precipitation was observed for the case in which 
crude oil was in contact with formation water. Based on the IC results, sulfate and magnesium are the most active 
ions to play the role of the nucleus in the structure of asphaltene agglomerates. Results also showed that the 
presence of Naphthenic Acids (NAs) in crude oil composition can affect the amount of asphaltene precipitation.   

1. Introduction 

Low salinity/smart water injection, in addition to pressure mainte-
nance, can induce changes in the reservoir rock and fluids properties, to 
provide favorable conditions for further oil production. Different 
mechanisms (such as fines migration, pH change effect, multi- 
component ion exchange, changes in surface-charge, and double-layer 
expansion, formation of micro-dispersions, variations in interface 
viscoelasticity and osmosis, mineral dissolution or slight variations and 
combination of all these mechanisms) have been proposed for the effect 
of low salinity/smart water in the literature, however, the Crude Oil- 
Brine-Rock (COBR) systems investigated in all these studies are 
different (Bartels et al., 2019). Therefore this may be the reason why no 
consensus on the dominant governing mechanism has been reached yet 
(Al-Shalabi and Ghosh, 2016; Derkani et al., 2018; Koleini et al., 2018; 

Mohammadkhani et al., 2021; Mokhtari et al., 2022). Most studies in 
this area have been conducted to understand governing mechanisms 
(both fluid-rock and fluid-fluid interactions) and their impacts on 
increased oil production, but the side effects of variations in injection 
water composition such as formation damage and reduced reservoir 
injectivity, should not be overlooked. These side effects may include the 
formation of inorganic deposits due to incompatibility of formation and 
injecting waters, formation of water-in-oil or oil-in-water emulsions, and 
triggering of formation of organic deposits such as asphaltenes (Ghase-
mian et al., 2019; Moghadasi et al., 2003). It is well-documented in 
numerous works on emulsions that asphaltenes adhere to oil-water in-
terfaces and associate forming solid films. If asphaltene precipitation is 
induced by salinity changes in the reservoir and production facilities, 
this could have a major impact on the economy of a low salinity 
water-flooding project, especially in very tight carbonate reservoirs (low 
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permeability) where the formation of any organic precipitation can raise 
a serious risk of losing productivity (Ghasemian et al., 2019). Although 
the asphaltene precipitation problem has been thoroughly investigated 
by academia and industry in the case of natural depletion as well as gas 
and solvent injection, studies on the assessment of asphaltene precipi-
tation caused by water-flooding are still limited. Some studies show that 
asphaltene precipitation during water-flooding, as an uncontrolled side 
effect, can have a positive effect on the injection performance such as 
longer breakthrough time, more favorable transient flow, and reduced 
residual oil saturation through increased sweep efficiency (Hematfar 
et al., 2018). It is worth mentioning that their study was conducted on 
sand pack porous materials with permeability in the range of 1–4 D, 
which is not directly comparable with tight carbonates, where the risk of 
pore blockage and pressure drop build-up is significantly lower. 
Nevertheless, these positive and negative effects make it necessary to 
evaluate the possibility of any particle deposition during water-flooding. 

Asphaltenes are a diverse group of molecules defined by solubility 
properties comprising aromatic hydrocarbon structures with polar 
groups containing oxygen, nitrogen, and sulfur (Azari et al., 2018). 
These structural features make the asphaltenes surface-active compo-
nents that tend to adsorb to the oil-brine interface, which in turn affects 
the interfacial properties (Czarnecki et al., 2013; Lashkarbolooki et al., 
2016). It is well-documented that the adsorption of asphaltenes from 
solution may contribute to interfacial film formations resulting in 
complex rheological properties (Freer et al., 2003; Freer and Radke, 
2004; Rane et al., 2013). The increased interfacial concentration of 
accumulated asphaltenes may lead to solidification as evidenced by the 
skin formation and the crumbling of the interface of pendant drops (Gao 
et al., 2009; Hjelmeland and Larrondo, 1986). Therefore, any 
surface-active agent, including the natural ones, would reduce IFT, 
which leads to a more stable emulsion. Besides, as it was mentioned 
earlier, this may cause a change in surface rheology that results in a 
more stable oil film flow at the pore throats, hence reducing the oil 
trapping. Alvarado et al. (2014) suggested changes in interfacial visco-
elasticity as a potential mechanism for improving oil recovery by 
low-salinity water-flooding. Conducting microfluidic experiments, they 
speculated that lower salinity leads to a more viscoelastic interface, 
which suppresses snap-off and consequently prevents/minimizes oil 
trapping. In addition, variation in salinity affects surface adsorption and 
hence one could expect that a change in salinity due to water-flooding 
will affect asphaltene stability as well. Therefore, the presence of an 
interface (e.g. in an emulsion) serves as a physical site for local associ-
ation leading to asphaltene solidification even in petroleum systems 
containing stable asphaltenes (Kilpatrick, 2012; McLean and Kilpatrick, 
1997a). 

Many other surface-active species are present in crude oil. For 
example naphthenic (NA) and fatty acids have carboxylic acid (COOH) 
groups that serve as anchors at the interface. Different species, with 
different adsorption behaviors, also compete for interfacial adsorption. 
Other studies indicate that the presence of polar components at the 
interface would also change the surface rheology (Wang et al., 2017). 
These studies showed that lower salinity provides better conditions for 
the formation of a viscoelastic film (Chávez-Miyauchi et al., 2016). On 
the other hand, as salinity increases, the rate of elasticity growth de-
creases, since there is a competition between the double-layer expansion 
and polarization of the interface, especially at high concentrations of 
NAs. At high salinity, NAs tend to partition in the brine and form 
naphthenic salts (Moradi and Alvarado, 2016). NA adsorption to the 
interface restricts the adsorption of asphaltene molecules, therefore, it 
reduces the viscoelasticity of the interface. The highest rate of adsorp-
tion of both asphaltenes and NAs to the interface occurs at a specific 
salinity. At this particular salinity, asphaltene molecules first adsorb to 
the interface, then after a certain time, NAs begin to adsorb. Therefore, 
the interface exhibits higher viscoelasticity in the early times (Gar-
cia-Olvera et al., 2016; Moradi et al., 2013; Wang et al., 2017). The 
results of Wang et al. (2017) also showed that when asphaltenes and NAs 

are presented simultaneously, the rigidity of interfacial film is less than 
when only asphaltenes are present in the oil phase. In model systems of 
stearic acid (SA) and asphaltenes in toluene, Sauerer et al. (2018) found 
that stearic acids arrive first to the pendant drop interface, followed by 
asphaltenes. At high SA content, asphaltenes could not reach the inter-
face due to a screening mechanism. Furthermore, the adsorption rate of 
asphaltenes and NAs toward the oil/brine interface depends on salinity. 
In addition, the presence of asphaltenes at the interface may create a 
barrier to the dissolution of NAs into the brine (Moradi et al., 2013). 

Mokhtari and Ayatollahi showed that the polarity of the oil/brine 
interface depends on brine salinity, which affects the competition be-
tween asphaltenes and NAs on adsorbing into the interface. As a result of 
this competition, different interfacial tensions have been observed at 
different salinities. Moreover, the dissolution of the acidic components 
of oil into the brine can change brine properties (such as pH), which 
itself can modify the polarity of the interface. They also showed that 
fluid-fluid interactions are dynamic phenomena in which time plays a 
major role (Mokhtari and Ayatollahi, 2019). Moradi and Alvarado also 
highlighted the impact of time on the adsorption of asphaltenes and NAs 
at the oil-brine interface (Moradi and Alvarado, 2016). 

Interfacial tension (IFT) measurements by Lashkarbolooki et al. 
(2014) showed that the rate of interfacial adsorption of different oil 
polar components varies by salinity and ion type. At low concentrations 
of divalent cations, the effect of asphaltene molecules on the IFT 
reduction is higher than resins. Therefore, the higher the concentration 
of divalent cations, the effect of the resins would be increased. At high 
brine salinity, the tendency of asphaltenes to adsorb into the interface 
reduces, resulting in an increase in IFT. 

It has been shown in the literature that a trace concentration of water 
could affect asphaltene aggregation through hydrogen bonding of water 
molecules and asphaltene heteroatoms. Water molecules by themselves, 
because of their small size and polar nature could affect asphaltene 
precipitation (Andersen et al., 2001; Khvostichenko et al., 2004; 
Khvostichenko and Andersen, 2008; Murgich et al., 2002). However, 
Gelin et al. reported no change in asphaltene precipitation pressure of 
live oil in the presence of a trace of deionized (DI) water (Gelin et al., 
2004). Tharanivasan et al. investigated the effect of emulsified DI water 
in crude oil on the amount and composition of asphaltene precipitation 
and claimed that the only difference is oxygen concentration in the 
precipitates, which is higher in the presence of water (Tharanivasan 
et al., 2012). Rocha et al. (2016) reported the effect of salinity on the 
surface adsorption, observed as an increase in emulsion stability and a 
decrease of IFT. By tracking the change in the asphaltene concentration 
in the oil bulk phase, they reported an increase in mass of asphaltenes at 
the interface, which was dependent on the oil type. Ameri et al. indi-
rectly studied the effect of different salts on asphaltene precipitation at 
reservoir conditions through evaluating changes in IFT. With increasing 
pressure, they observed an increase in IFT. At a certain pressure, the IFT 
value showed a sudden jump, which they considered as the asphaltene 
onset pressure. They found that the type and concentration of ions 
affected asphaltene onset pressure and the precipitation amount. They 
also observed that, as salinity increased, the asphaltene precipitation 
decreased, however, this process continued up to a certain salinity. 
Beyond that particular salinity, asphaltene precipitation increased with 
further salinity increase (Ameri et al., 2018). Recently, Joonaki et al. 
studied the effect of water with various ionic strengths (I) on asphaltene 
aggregation and claimed that asphaltene aggregation is mainly gov-
erned by intermolecular π-stacking/H-bonding interaction between the 
accumulated asphaltenes at the interface (Joonaki et al., 2019). They 
observed some larger aggregates in the oil phase in contact with high 
salinity water compared to the low salinity, however, the average size of 
aggregates remained constant. It is worth mentioning that the highest 
salinity they used is 1 M, which is approximately similar to typical 
seawater ionic strength. Numerous works have addressed the effects of 
asphaltene and crude oil type, solvent compositions, salinities, temper-
atures, etc on emulsion stability, however, very little information is 
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available that addresses how already unstable systems respond to 
salinity changes caused by e.g., implementation of low salinity/smart 
water-flooding. 

As mentioned before, there is a very limited number of studies that 
show the effect of brine salinity on the destabilization of asphaltene in 
crude oil. Therefore, the present study aims to investigate the mecha-
nisms responsible for asphaltene destabilization and precipitation dur-
ing water-flooding and to identify the effect of salinity, brine-oil contact 
time, and the role of crude oil polar components on this process for close 
to unstable petroleum systems. The effect of confinement in the porous 
rock has not been considered herein. Instead of the indirect method of 
examination of changes of asphaltene concentrations in the supernatant 
oil phase, we have taken a direct path by using a gravimetric method 
where the total solids are separated from emulsions after oil-brine 
contact. This also allows us to examine the integration of salts into the 
solids, and the variation in electrolyte composition within the recovered 
solids relative to the water phase. 

In this study, formation water, seawater, and two different dilutions 
of seawater (two- and ten-times diluted seawater) were contacted with a 
highly unstable crude oil from a southwest Iranian oil reservoir for 
various periods. The amount of solidified asphaltene for each sample 
was measured by filtration of the entire emulsified sample (water, 
emulsion, and oil). To further investigate the role of crude oil polar 
components on this phenomenon, experiments were also carried out 
using two different model oils containing either asphaltenes only or 
asphaltenes and naphthenic acids. To understand the mechanisms 
behind the destabilization process, especially the ions involved in this 
phenomenon, the ionic content of the brine samples collected after 
washing the accumulated precipitates was measured by ion chroma-
tography (IC). Besides, samples of oil taken from the near interface were 
closely monitored under a digital microscope to analyze asphaltene 
aggregates quantitatively and qualitatively. This study aims to investi-
gate if changes in salinity due to different production scenarios can 
affect asphaltene-related production issues. It, therefore, addresses the 
operator’s question of whether the benefits for advanced water-flooding 
can be offset by increased asphaltene problems. 

2. Experimental section 

The experimental workflow used in this research to address the effect 
of brine salinity on the destabilization of asphaltene molecules is rep-
resented in Fig. 1. In the following sections, materials, procedures, in-
dividual sample preparation, sampling, and experiments are presented. 

2.1. Crude oil and model oils 

The crude oil sample stems from one of the southwestern Iranian oil 

reservoirs (KL). It contains relatively low asphaltene content but faces a 
serious asphaltene precipitation problem in the surface facilities. Hence, 
the asphaltene in this oil sample is considered to be very unstable. The 
Saturates, Aromatics, Resins, and Asphaltenes (SARA) composition 
confirms that the oil has a low solvent power towards the asphaltenes. 
The potential of asphaltene precipitation can be estimated by Colloidal 
Instability Index (CII), using SARA analysis, which is shown in Table 1. 
CII is expressed as CII = (saturates + asphaltenes)/(resins + aromatics) 
= (sat + asph)/(1-sat-asph). The asphaltenes are assumed stable when 
CII <0.7, while they may be unstable for CII >0.9 (Yen et al., 2001). For 
the KL crude oil CII = 1.6, and the asphaltenes are unstable in terms of 
phase equilibrium (León et al., 2000). Yet another indicator is the sat-
urates/aromatics ratio = 2.25, which indicates the solvent nature of the 
maltenes excluding any contribution of the resins through specific in-
teractions. This number also relates in qualitative terms to the hepta-
ne/toluene equivalent in stability testing (Sabbagh et al., 2006). 

The asphaltene content and total acid number (TAN) of the crude oil 
are identified according to IP-143 and ASTM-D664 standard procedures, 
respectively. More detailed specifications of this oil sample are shown in 
Table 2. 

To purify the oil sample from any external contamination, samples 
were filtered. The filter paper used in this study was ashless F2042 grade 
with a retention range of 2–3 μm from the CHMLAB group. The same 
filter papers were also used in asphaltene precipitation tests. 

Two model oil samples were also prepared for more detailed studies. 
The base composition of these model oils is n-heptane + toluene (70/30 
vol/vol) with 0.6 %wt asphaltenes added to mimic the crude oil sample; 
Sample A additionally contained oleic acids to mimic the impact of TAN. 
This n-heptane/toluene ratio is selected in order to be close to common 
onset solvent composition and make the model similar enough to the 
crude oil system. If compared to the original oil, saturates to aromatic 
ratio is also close to this value. Hence the situation where an already 
“close to unstable” oil is contacted with a brine solution is addressed. 
Compositions of samples A and B are given in Table 3. 

The main purpose of using these two model oil samples is to reduce 
the complexity of the crude oil composition and to perform a more 
specific study on the role of acidic components on asphaltene precipi-
tation. The asphaltene, which is added to these two model oils, is 
extracted from KL crude oil. It is added to the mixture by 0.6 %wt, which 
is the same as the crude oil content. The concentration of the oleic fatty 
acid component was calculated to be equivalent to the TAN of KL crude 

Fig. 1. Experimental workflow.  

Table 1 
SARA analysis of the KL crude oil.  

Saturates (%wt) Aromatics (%wt) Resins (%wt) Asphaltene (%wt) 

61.16 27.23 11.01 0.60  

R. Mokhtari et al.                                                                                                                                                                                                                               



Journal of Petroleum Science and Engineering 208 (2022) 109757

4

oil. The used commercial fatty acid (C18H34O2) in this study (supplied 
from PanReac AppliChem ITW Reagents Company) has 65–88% purity 
including myristic acid, palmitic acid, palmitoleic acid, stearic acid, and 
linoleic acid, with a molecular weight and density of 282.47 g/mol and 
0.890 g/mL. The distribution of acids is shown in Fig. 2. 

2.2. Brine composition 

All brine samples were prepared in the laboratory by dissolving pure 
salts (lab category, purchased from drm-chem. Properties and de-
scriptions are reported in the supplementary document, in Table S-1) to 
DI water. After that, the synthesized brines were filtered through a 0.43 
μm Millipore filter and vacuumed to remove the dissolved air. The for-
mation water (FW) composition was provided from the same Iranian 
southwest oil reservoir (KL). In addition, the seawater (SW) was pre-
pared to have an ionic strength of 0.832 M, the same as the Persian Gulf 
seawater. The initial SW solution was then diluted by adding DI water to 
obtain solutions with two- and ten-times diluted SW. The notations 
“2TDSW” and “10TDSW” stand for two- and ten-times diluted seawater 
with the ionic strength of 0.416 M and 0.083 M, respectively, as they are 
listed in Table 4. 

2.3. Asphaltene destabilization experiments 

Sample preparation: 100 mL of crude oil was poured into a container 
and placed on a magnetic stirrer. Then 100 mL of the desired brine was 
added gradually over an hour. The stirring speed was 1000 rpm. This 
procedure (gradually adding brine solution to the oil phase, mixing at 
1000 rpm) would help to disperse the water droplet and produce a more 
homogeneous emulsion phase. The oil/brine ratio is selected based on 
the common nominal rate of water injection in the oil wells since more 

likely asphaltene destabilization would occur there. Since samples were 
tested at different contact times, mixing was continued until 24 h before 
the test. After mixing, samples were kept in a dark place at room tem-
perature to allow for easier sampling under static conditions e.g., from 
the region near the oil-emulsion interface. Then the whole mixture of 
200 mL (including emulsion, free brine, and oil) was poured into the 
filter funnel, attached to a vacuum pump. Afterward, the collected 
precipitates on the filter paper were washed with n-heptane and DI 
water. Therefore, all the precipitated asphaltene clusters larger than the 
filter paper retention range were collected. The difference in weight of 
the filter paper before and after the test (once dried in an oven at 90 ◦C) 
was reported as the amount of asphaltene precipitation. The measure-
ment was gravimetric using an accurate digital balance with a read-
ability of 0.001 g and linearity of ±0.002 g. All tests are repeated three 
times, and the mean values are reported. This method suggests the 
collected solid material is the precipitated asphaltene in either bulk and/ 
or at the emulsion interface, as described in the following mass balance 
equations. 

Ma,prec. =Ma,interface + Ma,bulk = Ma,Total − Ma,Stable (1) 

As observed in Fig. 3 collected asphaltenic solid samples were sur-
prisingly dry considering that they were collected from a water/oil 
blend. It is worth mentioning that the filter papers were rinsed with a 
mixture of Toluene/n-Heptane before experiments to make sure there is 
no weight loss through any possible reactions between filter papers and 
solvents. 

2.4. Visual studies 

To further investigate the asphaltene precipitation phenomenon and 
verify the measurement technique, oil samples, which were in contact 
with different brines, were visually evaluated using a Dino AM-351 
digital microscope with adjustable magnification up to 600×. Then, 
employing the image processing toolbox of MATLAB programming 
software, size distribution, mean size, and volume fraction of asphaltene 
agglomerates were measured. It is worth mentioning that, as the sam-
pling position can affect the results, sampling was performed from a 
fixed location close to the brine-oil interface, approximately 5 mm from 
the interface. As mentioned earlier, each test was repeated at least three 
times to check the repeatability of the results, and finally, the average 
value is reported. An example of the image analyzing steps (original 
picture → binary format → segmented binary format) on one of the 
microscopic pictures for the 10TDSW/oil interface sample is shown in 
the supplementary document (Figure S-1 to Figure S-3). Asphaltene 
droplet size distributions are also reported in the supplementary docu-
ment (Figure S-4 and Figure S-5). 

2.5. Ion chromatography 

As described in section 2.3, collected agglomerates on the filter pa-
pers were firstly washed by n-heptane and DI water. Therefore, the 
intention for conducting the IC experiments is to investigate the pres-
ence, concentration, and valency of salts hidden within asphaltene 
clusters and are therefore inaccessible unless the asphaltenes themselves 
are dissolved. Ion chromatography was conducted on two samples of 
precipitates (FW-Model oil A and FW-Model oil B) to check the presence 
of traces of salts in the structure of asphaltene agglomerates collected on 
filter papers. For this purpose, after filtering the samples and measuring 
the amount of asphaltene precipitations, these precipitates were washed 
using toluene and DI water. Toluene and DI water would dissolve 
asphaltenes and possible salts, respectively. Then, using a separatory 
funnel, the aqueous phase was separated from the hydrocarbon phase, 
and samples of the aqueous phase were prepared for the IC experiments. 
These experiments were conducted using a ThermoScientific® Dionex 
ICS-1100 IC instrument. 

Table 2 
Physical properties of the KL dead oil.  

Crude 
oil 

Total Acid 
Number (mg 
KOH/g oil) 

Asphaltene 
content (%wt) 

Density at 
25 ◦C (g/mL) 

Viscosity at 
25 ◦C (cP) 

KL 0.14 0.6 0.84 7.5  

Table 3 
Model oils composition.  

Model 
oil 

n-Heptane (% 
vol) 

Toluene (% 
vol) 

Fatty acid 
(%wt) 

Asphaltene content 
(%wt) 

A 70 30 0 0.6 
B 70 30 0.7 0.6  

Fig. 2. Distribution of acids in the commercial fatty acid used in this study.  
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3. Results and discussions 

A direct gravimetric method is employed in this study to assess the 
asphaltene destabilization. It is important to emphasize that the tripli-
cate repeatability of the gravimetric approach as given by the standard 
deviation was acceptable despite the complexity of the sample being 
filtered (two-phase system with emulsion). The mean standard deviation 
for the measured precipitate weights is approximately 0.04 %wt, which 
leads to a range of approximately 5–20% confidence interval error 
through all the experiments. This shows that the repeatability of the 
results reported in this study is comparable with the IP-143 acceptable 
repeatability range. See below e.g., Fig. 4. As the entire sample (oil, 
emulsion, and brine) was filtered, the asphaltenic solid samples 
collected can be the sum of both unstable asphaltenes in the bulk, and 
asphaltenes that have been collected on the oil/brine emulsion interface, 
as emphasized in equation (1). The two are related as it is known from 
previous observations that emulsion stability increases as the solvent 
power of crude oil or a model system decrease. Also, the often reported 
skin formation at the pendant drop oil-water interface points at a po-
tential surface aggregation and irreversible adsorption as a mechanism 
of contribution to the solid material recovered in the experiments. As the 
crude oil and model oil samples are pre-filtered, it was assumed that 
instability induced by brine was not caused by already pre-existing 
particulates or solution instability. Hence, the majority of precipitated 
asphaltenes is assumed to primarily be due to the interaction across the 

water-oil interface and the increased association of asphaltenes due to 
the local concentration at this interface. Furthermore, salts may be 
incorporated, which add up to the solid mass recovered. The discussions 
of mechanisms are primarily based on the mass balances, while con-
clusions at the molecular level include the abundant literature on crude 
oil interfaces. The crude oil and the model oil samples, despite their 
similar asphaltene content, have different initial compositional condi-
tions. In the crude oil, the continuum of polar species extends beyond 
the 0.6 %wt C7 asphaltenes, thus, with 11 %wt resins in the pool of polar 
components, there is a substantial amount of potential asphaltene types 
that could co-precipitate or co-adsorb to the interface or even modify the 
interfacial activity. In the model system, there is only the solvent phase 
and the C7 asphaltenes providing a limited pool of potential surface- 
active species. Therefore, from the latter experiments, it can be 
observed whether the water composition leads to the increased mass 
deposited while the experiments with crude oil will include the potential 
contribution of the resins. 

3.1. Effect of salinity on destabilization of asphaltene from crude oil- 
water emulsions 

Crude oil-water destabilization experiments were performed by 
using different brines, and the amount of destabilized asphaltenes was 
measured for each oil/brine mixture. As already mentioned, the exper-
iments were repeated three times in each case, and the error bars indi-
cate the confidence interval. The amounts of recovered solid 
precipitated material after two days of brine-crude oil contact as a 
function of the brine composition are shown in Fig. 4. 

Fig. 4 confirms that the salinity of the brine phase plays a role. In the 
high salinity formation water with almost 19 %wt salt, the recovered 
mass is higher than the content of asphaltenes. It can be concluded that 
some of the resins could have been co-precipitating. However, as will be 
shown below in the analyses of model systems, salt may also contribute 
to this increased mass. With decreasing brine salinity from FW to 
2TDSW, the amount of asphaltene precipitation decreases and reaches a 
minimum amount for 2TDSW, but with a further decrease in brine 
salinity, the asphaltene precipitation increases slightly. This observation 
suggests the following revision to equation (1). 

Mprec. =Ma,interface + Ma,bulk + Mco− precipitated resins + Mco− aggregated salt (2) 

It means that accumulated filter cake material does not only contain 
heptane asphaltenes. Since prior to each test the crude oil was filtered 
(using the same filter paper as the experiments), the reason for this 
phenomenon is believed not to be the presence of crude oil impurities 
such as solids or fines. In addition, after filtration, the precipitates were 
washed with n-heptane and DI water, therefore the presence of loosely 
co-precipitated resins is not the reason behind this outcome. In other 
words, the co-precipitated material is not accessible to the two wash 
solvents. Therefore, it has been hypothesized that due to high salinity in 
the brine droplets, increased asphaltene adsorption takes place. Upon 
filtration and separation, the droplets may collapse leaving the salt 
behind covered by asphaltenes. However, one can also imagine that the 
presence of salt crystals could act as a nucleus for adsorption. Finally, 
residual water occluded in the asphaltenic material could also 
contribute. Recently Joonaki et al. have also proposed a similar hy-
pothesis as a mechanism responsible for asphaltene deposition on a 

Table 4 
Prepared brines composition.  

Brines Salts concentration (ppm) TDS (ppm) I (M) 

NaCl KCl MgCl2.6H2O CaCl2.2H2O Na2SO4 NaHCO3 CaCO3 

FW 140314 0 40286 2854 2586 2014 1628 189682 3.674 
SW 28424 825 6430 1384 4490 106 0 41659 0.832 
2TDSW 14200 400 3215 690 2244 84 0 20833 0.416 
10TDSW 2842 82 642 138 448 10 0 4162 0.083  

Fig. 3. Photo of collected asphaltenic solid samples on a filter paper for crude 
oil-formation water destabilization experiment. 

Fig. 4. Amount of asphaltene precipitation after 2 days aging of crude oil and 
desired brine. 
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quartz crystal microbalance (QCM) sensor surface. Assuming that the 
QCM sensor surface is water wet, the carboxylate anions of asphaltene 
molecules can bond with cations in this brine film through an ion 
bridging process, which leads to a greater amount of deposits onto the 
QCM surface. It is worth mentioning that in their research, to initiate 
precipitation a gas was injected and mixed with the oil in presence of 
water micro-emulsions making the experiment quite different from 
those reported herein (Joonaki et al., 2019). 

By comparison with results on droplet size and adsorbed mass/area 
by Rocha et al. (2016), our estimates for the total system assuming a 
finite droplet size shows that indeed there is sufficient interfacial area to 
accommodate the asphaltenes if maximum adsorption is 10 mg/m2. 
However, due to the method of mixing employed herein, the initial 
emulsions are much coarser in terms of droplet size and surface area. 

As the asphaltene solubility in water is virtually zero, the interaction 
has to take place across the droplet interface and any hetero-nucleation 
therefore also needs to happen at the interface. In the current research, 
we propose asphaltene-cations bonding as a mechanism responsible for 
increased asphaltene adsorption, aggregation, and solidification, which 
could occur at the oil-brine interface. Below we will try to prove this 
hypothesis directly by weight measurements of solids precipitates and 
conducting IC experiments on wash waters. This could indicate whether 
the collected material contains both salts and asphaltenes. 

Accordingly, it seems that with decreasing salinity, the amount of 
salts in the aquatic phase that can play a role in ionic interactions (e.g. 
formation of a carboxylate, nucleation of asphaltene aggregates, etc.) 
decreases. However, by increasing the length of the electrical double 
layer, the amount of asphaltenes adsorbed to the interface increases 
(Moradi and Alvarado, 2016). In addition, it should be noted that 
although decreasing the brine salinity increases the length of the elec-
trical double layer, an extreme decrease in salinity reduces the con-
centration of ions in the brine to a level that does not provide proper 
polarity (compared to high salinity) at the interface to keep the adsorbed 
asphaltene there. Note that asphaltene skin formation is also observed 
for pure water and hence salinity is not a prerequisite for this phe-
nomenon. The adsorption of asphaltene molecules toward the interface 
can 1) increase the local concentration of unstable asphaltene molecules 
and lead to the well-known surface aggregation, and 2) potentially 
disturb the equilibrium condition of resin-asphaltene in the crude oil. 
This results in the self-aggregation of both stable and unstable asphal-
tene molecules close to the interface. As shown in Fig. 4, the competition 
between the above ionic related phenomena causes the asphaltene 
precipitation to be minimized at a specific salinity (2TDSW). There is 
clear evidence that salinity/ionic strength matters in emulsion stabili-
zation, which has also been reported in the literature (Rocha et al., 
2016). The salinity is much higher in the present work and where the 
effect is reported to stabilize above a certain value of salinity, in this 
study there is a steep increase in salinity from ionic strength 0.8 M–4 M. 

The asphaltene precipitation results presented here are in line with 
the Mokhtari and Ayatollahi report on the IFT of brine-crude oil. They 
observed a minimum IFT value at the same specific salinity (2TDSW). 
They claimed that at this salinity, salting-in effect and polarization of 
interface synergistically might provide conditions favorable for 
adsorbing surface-active components (including asphaltenes and NAs) 
at the interface. This would lead to lower interfacial tension, compared 
to the cases of brines with higher and lower salinities (Mokhtari and 
Ayatollahi, 2019). Even though a similar trend between IFT and 
precipitated asphaltene has been observed, it is worth mentioning that 
in IFT measurement by pendant drop method, equilibrium reaches 
almost fast. Hence IFT value represents the initial condition, where time 
effects cannot be compared to days of oil/brine contact. 

The presented results are also in line with Moradi and Alvarado’s 
results, although they reported the effect of different salinities on the 
viscoelastic properties of brine-crude oil films. They showed that at a 
specific salt concentration (5% wt in their study), the interfacial film is 
formed faster than other concentrations. Since the film stability is 

achieved by asphaltenes, it means that at this particular concentration, 
asphaltene molecules reached the interface faster and remain there to 
stabilize the interfacial film (Moradi and Alvarado, 2016). 

To assess the role of the proximity of the interface, a digital micro-
scope was also used to monitor the near interface condition. Fig. 5 shows 
the optical microscopy images of samples, which were collected from 
the near interface. These pictures demonstrate the asphaltene agglom-
erates inside the crude oil and it could be used to compare the amount of 
asphaltene precipitates qualitatively. 

For a deeper insight, a quantitative study of the microscopic pictures 
was conducted. The MATLAB image-processing toolbox was utilized to 
analyze the pictures. The results are summarized in Table 5. Agglom-
erated asphaltenes were identified as dark particles, while water drop-
lets were observed to be colorless (see Figure S-2 in the supplementary 
document). The agglomerated asphaltenes size distributions are pre-
sented in the supplementary document (Figure S-4). Therefore, in 
Table 5, the total number of asphaltene agglomerates refers to the total 
number of detected asphaltene particles (dark particles) in the micro-
scopic picture. The average size of these particles has been reported as 
average asphaltene agglomerates size. The area percentage of asphal-
tene agglomerates is the percentage of the total areal size of the 
asphaltene agglomerates with respect to the whole area of the micro-
scopic picture. 

As shown in Table 5, by reducing the salinity from FW to 2TDSW, the 
number, mean size and volume percentage of asphaltene agglomerates 
decreased, while further salinity reduction leads to an increase in all of 
them. This is the same general trend as observed in the mass recovery 
experiments. These results showed that at 2TDSW, asphaltene molecules 
were adsorbed toward the interface, causing the formation of a stable 
interface and hence the minimum detachment of asphaltene molecules 
and transfer to the bulk oil phase occurs at this salinity since the lowest 
IFT values were measured at this salinity previously by Mokhtari and 
Ayatollahi (2019). Obviously, the asphaltene agglomerates for FW are 
larger than the other salinities. This might be due to the high concen-
tration of salts, which increases the potential of the presence of salts 
either as a nucleus or a co-precipitate in the asphaltene agglomerates, 
resulting in an increased amount of mass recovered. We also observe 
that for FW, the content of large flocculated particles close to the 
interface (but still dispersed in the oil), is much higher than in the other 
samples indicating that the interfacial adsorption is not the only 
mechanism. These quite large agglomerates of 22 μm could be 
micro-droplets covered by asphaltene skin or high salinity nuclei with 
adsorbed asphaltenes. We can at this point hypothesize that hydropho-
bic particles are formed that disperse back into the oil and can remain 

Fig. 5. Microscopic photos from samples collected from near the interface of 
crude oil-brine at different salinities taken from the oil continuous side after 2 
days of oil/brine contact; black particles are assumed to be asphaltene aggre-
gates and bright ones as water droplets. 
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stable. 
Because of the complexity of the crude oil samples with potential co- 

precipitation of resinous material, it is important to further address this 
by model oil samples. We will return to this below including the analysis 
of salt content by IC. 

3.2. Effect of contact time on asphaltene yield 

Fluid-fluid interactions during low salinity water injection are dy-
namic processes that are a function of time (Mokhtari et al., 2019; 
Mokhtari and Ayatollahi, 2019). To assess the effect of brine-crude oil 
contact time, the crude oil-water destabilization experiments were 
conducted for different contact times of 2, 10, 20, and 40 days. The 
results are shown in Fig. 6. 

As shown in Fig. 6, with increasing brine-crude oil contact time, 
asphaltene precipitation for all brines shows an increasing trend which 
might be due to spontaneous emulsification at asphaltene interfaces 
observed by Rodríguez-Hakim et al. (2020). However, it is worth 
mentioning that there is no monotonic trend in the increase in asphal-
tene precipitation over time for different brine salinities and a remark-
able impact was only observed for 2TDSW. These results indicate that 
contact time can have a significant effect on the amount of asphaltene 
aggregation and/or precipitation, which appears to be a function of 
salinity as well. It must be recalled that as the entire sample is filtered 
(not only the emulsion phase) the observed increased dry mass yield 
cannot be related to emulsion coalescence, but more likely to a ripening 
mechanism. 

It has been shown that for high and low salinity, the NAs and 
asphaltenes are more readily absorbed to the interface, respectively 
(Alvarado et al., 2011; Moradi and Alvarado, 2016; Verruto et al., 2009). 
The asphaltic layer on the interface acts as a barrier and reduces the 
solubility of NAs into the brine (Moradi et al., 2013). However, over 
time and at a specific salinity, where the polarity of the interface is still 
appropriate for the adsorption of NAs, these components are transferred 
to the interface. This could force asphaltenes to be detached and move 
back to the bulk (Moradi and Alvarado, 2016; Moran and Czarnecki, 
2007). 

Moradi and Alvarado also observed a fast increase in the stability of 
the film and the elastic modulus in a specific salinity (5%) due to the 

rapid adsorption of asphaltenes to the interface. However, they also 
noticed that more NAs are accumulated at the interface over time. 
Therefore, the stability of the film formed at the interface is reduced, and 
the elastic modulus loses its initial increasing trend. Besides, more 
accumulation of NAs at the interface would result in the asphaltenes 
being returned to the crude oil bulk (Moradi and Alvarado, 2016). These 
detached asphaltenes that have lost their equilibrium within the bulk 
stick together and form asphaltene aggregates, which in the present 
study happened for 2TDSW. Sauerer et al. reported that stearic acid and 
asphaltenes competed for sites on water drops dispersed in model oils 
and that the carboxylic acid immediately arrived at the interface while 
slow diffusion would make asphaltenes arrive later to the interface 
(Sauerer et al., 2018). 

For a further detailed study, oil samples in contact with 2TDSW were 
taken from an area close to the interface and photographed under a 
digital microscope. Fig. 7 shows the micrographs of asphaltenes formed 
due to 2TDSW contact for different times. 

The quantitative analysis of microscopic images is presented in 
Table 6. As it is clear from Table 6, the mean size of the asphaltene 
agglomerates has been increased over time, with a jump between 10 and 
20 days. This is consistent with the observation in Moradi and Alvar-
ado’s research about the stability of asphaltic film (Moradi and Alvar-
ado, 2016). The size distribution of the agglomerated asphaltenes in the 
near interface samples at different contacting times in the 2TDSW/oil 
system is presented in the supplementary document (Figure S-5). The 
increased number of particles with time in the oil phase above the 
emulsion phase could indicate that these are expelled into the oil phase 
from the emulsion phase during ripening of this. This is an interesting 
observation that we cannot explain from simple buoyancy effects. 

3.3. Investigations of model oils including impact of naphthenic acids 

As mentioned above, the complexity of the crude oil system may 
affect the possibility of drawing stringent conclusions. Therefore two 
model systems were investigated with an oil phase (heptane/toluene) 
close to the average onset reported in the literature (Andersen, 1994; 
Sabbagh et al., 2006). With only the asphaltenes dissolved, speculations 
on the effects of resins and the resins-asphaltene equilibrium can be 
avoided. To investigate the presence of other species both on the sta-
bility of asphaltenes and on interfacial competition, the addition of a 
well-described sample of naphthenic acids can simplify the number of 
possible competing interactions. 

Since it has been shown that acidic components as surface-active 
agents play an important role in fluid-fluid interactions, NAs were 
added to the model oil to investigate their impact on the asphaltene 

Table 5 
Results of image processing for samples collected from crude-brine near 
interface.  

Brine Total number of 
asphaltene 
agglomerates 

Average size of 
asphaltene 
agglomerates (μm) 

Area percentage of 
asphaltene 
agglomerates (%) 

FW 5023 22.7 9.3 
SW 2781 15.8 3.6 
2TDSW 1201 11.9 1.2 
10TDSW 1856 13.3 2.0  

Fig. 6. Amount of asphaltene precipitation for different aging times at 
different salinities. 

Fig. 7. Microscopic photos from samples collected from near the interface of 
crude oil-2TDSW at different contact times; black particles are assumed to be 
asphaltene aggregates and bright ones as water droplets. 
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precipitation process. Carbonezi et al. have investigated the impact of 
NAs on asphaltene stability onsets and hence it is expected that NAs not 
only competes for the oil-water interfacial sites in our present case but 
also interact with asphaltenes in the oil bulk phase as well as with the 
ions across the interface (Carbonezi et al., 2009). 

The composition and properties of the model oil samples used in this 
study are described in Table 3. Model oil A contains only asphaltenes, 
while model oil B contains both asphaltenes and NAs. 

Considering the fact that the asphaltene precipitation rate is almost 
negligible after 20 days (Fig. 6), all tests on the model oil samples have 
been performed after 20 days of oil/brine contact. 

Although a difference has been observed for the case of 2TDSW, the 
general trend of precipitated asphaltene in Fig. 8 is in line with those of 
the more complex crude oil system (Fig. 4). It is worth mentioning that, 
even though the model oil composition was selected in order to mimic 
the SARA composition and TAN in the crude oil, the complexity pro-
vided in the crude oil might have a significant impact on the results. For 
instance, the model oil and the crude oil might not have the same sta-
bility reserve in terms of the distance to the onset point, and the emul-
sion stability changes quite significantly in the vicinity of the onset 
(McLean and Kilpatrick, 1997a, 1997b; Sullivan et al., 2007). Never-
theless, at FW conditions, there is a substantial amount of 
co-precipitated or occluded material. The salinity affects the recovery of 
solid material, and the same trend is observed even in the absence of 
resins and the speculations on how this could have any effects on the 
asphaltene stability. It can be concluded that NA has a stabilizing effect 
on the asphaltenes and the salinity effects are significantly reduced for 
the high salinity case (FW). This could be a result of interfacial 
adsorption of NA. Sample A clearly supports the hypothesis that the 
impact of salinity happens through interactions across the interface. 
Obviously, the precipitate at high salinity must be a composite poten-
tially consisting of most of the asphaltenes present in the system. It is 
also worth noting that NA, at low salinity, does not influence the yield of 
asphaltenes. 

At lower salinities where the ion concentration is possibly too low to 
have an effect, the primary mechanism of asphaltene precipitation 
might be the self-aggregation of unstable asphaltene molecules near the 
interface. In this case, the amount of precipitation for these two model 

oil samples is approximately the same. 
NAs are able to saturate the empty sites at the interface and restrict 

the presence of asphaltene molecules. Besides, for higher salinities, the 
concentration of salts in brine is high enough to form salt nuclei for 
asphaltene aggregates. Therefore, the presence of NAs in model oil B, 
which restricts the adsorption of asphaltenes to the interface, reduces 
the amount of precipitation compared with model oil A. In other words, 
asphaltene molecules in model oil A, which does not contain NAs, 
adsorbed more toward the interface once exposed to high salt concen-
trations and easily form aggregates in the presence of salts at the brine- 
oil interface. However, considering a mass balance on the dry yield from 
model oil A is not described by this explanation. 

Above, we have also hypothesized that one mechanism could be the 
formation of asphaltene precipitates with salt nuclei and/or the presence 
of salts in the structure of asphaltene agglomerates because of dried 
trapped water. To investigate this hypothesis, the collected precipitates 
on filter paper were dissolved in a mixture of Toluene and DI water (250 
mL Toluene+250 mL DI water for model oil B, and 350 mL Tol-
uene+350 mL DI water for model oil A). In this case, Toluene and water 
dissolve hydrocarbon fractions and salts in the structure of the clusters, 
respectively. Then aqueous phase was separated using a separatory 
funnel. Using ion chromatography and considering the amount of DI 
water added for washing the asphaltene particles, the amount of salts in 
the asphaltene aggregates is calculated. The results of these experiments 
for these two brine samples are given in Table 7. 

As can be seen in Table 7, the presence of ions in the IC experiment 
indicates that there were salts in the asphaltene structure that were 
dissolved in DI water after washing. The concentrations of these salts for 
the case of model oil A (without NAs) are higher than that of model oil B 
(with NAs), both in contact with the FW. The de-salted amounts of 
asphaltenes for these two cases are shown in Fig. 9. 

Fig. 9 confirms that the main reason for the massively increased mass 
fraction of the precipitated asphaltenes at high salinity is the presence of 
salts. These salts could have been co-precipitated with the asphaltene 
aggregates, or simply be part of the trapped water in the aggregates’ 
structure. However, still after washing and removing salts from 
asphaltene aggregates, there is a difference between the amounts of 
precipitated asphaltene for two model oils at the FW case. This indicates 
that NAs also might affect the self-aggregation of asphaltene molecules 
in the presence of salt. In addition, it is obvious that the amount of pure 
asphaltenes for the case of FW after dissolution and washing is still 
higher than that of lower salinities indicating the effect of the very high 
salinity of this brine. This by itself might exacerbate the chance of pre-
cipitation at this condition. Also, the presence of NA may reduce the 
interaction between salt and asphaltenes in the bulk. Therefore, as it was 
mentioned earlier in equation (2), what is already collected as solid 
precipitates in the filter paper is a combination of interface asphaltenes, 
bulk unstable asphaltene precipitates, co-precipitated resins, and co- 
aggregated salts. 

Fig. 10 shows the concentration ratio between divalent ions and 
Sodium in the fresh FW and the washed salts from precipitated asphal-
tenic solid material. If we assume that the salt in the structure of 
asphaltenic aggregates is only because of the trapped water, we should 
expect that the ions concentration ratio be similar to the original FW, 
while Fig. 10 clearly shows a deviation. This indicates at least all the co- 
precipitated salt could not be from a trapped water source, and there is a 

Table 6 
Results of image processing for crude oil samples collected from crude oil- 
2TDSW near interface.  

Brine Contact 
time 
(days) 

Total number of 
asphaltene 
agglomerates 

Average size of 
asphaltene 
agglomerates 
(μm) 

Area percentage 
of asphaltene 
agglomerates (%) 

2TDSW 2 1201 11.9 1.4 
2TDSW 10 1654 12.8 2.1 
2TDSW 20 4113 17.9 7.6 
2TDSW 40 4359 18.2 8.1  

Fig. 8. Amount of asphaltene precipitation for two different model oils con-
tacting with different brines for 20 days. 

Table 7 
IC results for asphaltenic precipitates of the two different model oils contacted 
with FW, after dissolution and washing with Toluene and DI water.  

Model oil Brine Ion concentration (ppm) TDS (ppm) 

Ca2+ Mg2+ Na+ SO4
2- 

– FW 1430 4816 56612 1750 189682 
A (without NA) FW 19 102 630 33 2316 
B (with NA) FW 11 78 405 15 1535  
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tendency for specific ions (sulfate and magnesium) to associate in the 
aggregate structure. 

Considering the ratios of ions in these two experiments and by 
comparing them with the ratios of ions in the original FW, one can 
determine the active ions affecting the increased precipitation of 
asphaltene structures. For this purpose, FW was considered as the base, 
and the deviation of the concentration of each ion in the asphaltene 
clusters relative to that in the FW was calculated and shown in Fig. 11. 
These values are calculated using equation (3). 

Deviation percent= 100 ∗

( Ion concentration∑
Ion concentration

)IC − ( Ion concentration∑
Ion concentration

)FW

( Ion concentration∑
Ion concentration

)FW
(3) 

The positive value for a particular ion indicates that the relative 
deviation percentage of that ion in the composition of the brine prepared 
by dissolution of salts in the asphaltene aggregates in DI water is higher 
than what the concentration of that ion in FW is. It may therefore 
indicate that these ions are more likely to be present in the asphaltene 
agglomerate structure. 

Fig. 11 shows a higher content of divalent ions in the asphaltene 
aggregates compared to the FW, hence, they have a major role in 
asphaltene adsorption and precipitation than monovalent ions. Sulfate is 
the most active ion in the precipitation of asphaltene for both model oil 
samples, however, its impact on model oil A (without NA) is much 
higher than model oil B (with NA). Magnesium has also been observed in 
asphaltene clusters, especially when oil is modeled with NAs (model oil 
B). In addition, Fig. 11 implies that sulfate with a negative charge, has 
the most effect on asphaltene precipitation, however, it has the least 
charge density amongst all (5 C mm− 3 (Rayner-Canham and Overton, 
2010)). While the positively charged ions have participated in asphal-
tene aggregates at the same order as their charge densities (charge 
density for Mg2+, Ca2+, and Na+ are 120, 52, and 24 C mm− 3 respec-
tively (Rayner-Canham and Overton, 2010)). Overall, our work in-
dicates that both ion charge, charge density, and the apparent charge of 
crude oil polar components are all effective in asphaltene aggregation, 
however, there is still a need for more specific experiments using single 
salts to address the individual effect of different ions. Joonaki et al. have 
also noticed a higher amount of divalent than monovalent cations in 
their scanning electron microscopy (SEM) tests, conducted on the 
deposited asphaltenes on the QCM gold surface (Joonaki et al., 2019), 
while the current results are in contradiction to Ameri et al.’s observa-
tions (Ameri et al., 2018), where they claimed that monovalent ions 
have the major impact on asphaltene precipitation (Ameri et al., 2018). 
However, one of the reasons for this contradiction might be the different 
range of brine salinity used in this study. The current results were ob-
tained for the brine with salinity close to formation brine (approxi-
mately 190,000 ppm), while the highest salinity examined in their study 
is 40,000 ppm. 

An alternative more mechanistic explanation that needs further ex-
amination is as follows: 

As asphaltenes adsorb to the interfaces of micro-droplets, a large 
amount of material is slowly solidified, and during the filtration of the 
entire emulsified system, these droplets will collide, potentially coalesce 
or just collapse mechanically, leading to the formation of an asphaltenic 
filter cake. During further filtration, asphaltene aggregates in the oil 
phase may be entrapped in this filter cake or may be subject to ortho-
kinetic forced interaction leading to increased apparent precipitation of 
asphaltenes. If this mechanism is in place, the impact of salinity is in the 
initial droplet formation and the interaction with asphaltenes across the 
interface – in that case, one may not see this as a true behavior of the 
presence of electrolytes as nucleation sites but merely as a promoter of 
asphaltene-interface interaction. However, our present data indicate 
with a high degree of certainty that salinity indeed plays a role. 

Furthermore, the potential role of co-associated water has not been 
investigated in this paper. Khvostichenko and Andersen (2008) showed 
that water has an influence on asphaltene association, and that water 
could be observed spectroscopically as clusters when asphaltenes were 
dissolved in toluene with controlled water content (Andersen et al., 
2001). Further work is therefore required in this area to spectroscopi-
cally probe the role of the presence of water as part of the nucleation 
process in the presence of electrolytes. 

4. Conclusions  

1) When examining a crude oil with near-unstable asphaltenes, the 
yield of dry solids is dependent on brine salinity. The results of this 
study suggest two main mechanisms for asphaltene destabilization in 
the presence of an aqueous phase: the well-known self-aggregation of 
unstable asphaltenes adsorbed toward the interface, and an apparent 
effect where electrolytes are incorporated leading to more associa-
tion. It means that, at high salinity, ions play the primary role as 
nuclei for asphaltene aggregates and might promote asphaltene 
precipitation through asphaltene-ions bonding. While at low salinity, 
the polarity of the brine-oil interface causes the asphaltenes to be 
adsorbed toward the brine-oil interface, which indirectly might 

Fig. 9. Comparing the amount of washed de-salted asphaltene precipitate to 
the original solid filtered materials. 

Fig. 10. Concentration ratio between divalent ions and Sodium in the fresh FW 
and the washed salts from precipitated asphaltenic solid material. 

Fig. 11. Deviation percentage of the concentration of each ion in the asphal-
tene clusters relative to the fresh formation water. 
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disrupt the stability of asphaltenes in the oil bulk. Hence, unstable 
asphaltenes can adhere to each other and begin to grow. Potentially, 
as asphaltenes associate at the interface, these aggregates may 
become hydrophobic by the screening of surface-active functional-
ities, and then they will be expelled from the oil-water interface. This 
could leave vacant interfacial sites for more association leading to 
additional precipitation. This is in agreement with the observations 
in the literature showing that irreversibly adsorbed asphaltenes are 
structurally different from bulk heptane asphaltenes.  

2) It appears that divalent ions are more effective for promoting 
asphaltene destabilization than monovalent ions. Sulfate and mag-
nesium are the most active ions for the adsorption of asphaltene and 
tend to be present in the structure of aggregates. The cations would 
be able to interact with asphaltenes across the oil-water interface 
through carboxylates formation. The exact impact of anions on the 
asphaltenes at a molecular level is still to be revealed.  

3) At higher brine salinities, the presence of NAs in crude oil as surface- 
active agents affects the rate of interfacial interaction, as their 
presence reduces the amount of asphaltene precipitation and re-
covery in this study.  

4) Brine-oil contact time is another important parameter, affecting the 
amount of asphaltene precipitation. This effect was only found in a 
particular salinity (2TDSW in this study). Over time, the amount of 
asphaltene precipitation increases until the system reaches an equi-
librium state. 
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