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Crude Oil–Brine–Rock Interactions in Tight Chalk Reservoirs: 
An Experimental Study 
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and Karen Louise Feilberg * 

The Danish Hydrocarbon Research and Technology Centre, Technical University of Denmark,  
2800 Kongens Lyngby, Denmark; bana@dtu.dk (B.U.A.); armafr@dtu.dk (A.A.); rasoulm@dtu.dk (R.M.) 
* Correspondence: sm@geus.dk (S.M.); klfe@dtu.dk (K.L.F.) 

Abstract: We present a systematic study of crude oil–brine–rock interactions in tight chalk cores at 
reservoir conditions. Flooding experiments are performed on outcrops (Stevns Klint) as well as on 
reservoir core plugs from Dan field, the Ekofisk and Tor formations. These studies are carried out 
in core plugs with reduced pore volumes, i.e., short core samples and aged with a dynamic ageing 
method. The method was evaluated by three different oil compositions. A series of synthetic multi-
component brines and designed fluid injection scenarios are investigated; injection flow rates are 
optimized to ensure that a capillary-dominant regime is maintained. Changes in brine compositions 
and fluid distribution in the core plugs are characterized using ion chromatography and X-ray com-
puted tomography, respectively. First, we show that polar components in the oil phase play a major 
role in wettability alteration during ageing; this controls the oil production behavior. We also show 
that, compared to seawater, both formation water and ten-times-diluted seawater are better candi-
dates for enhanced oil recovery in the Dan field. Finally, we show that the modified flow zone indi-
cator, a measure of rock quality, is likely the main variable responsible for the higher oil recoveries 
observed in Tor core samples. 

Keywords: low salinity water; crude oil–brine–rock interactions; chalk; short core plug; core flood-
ing 
 

1. Introduction 
Low-salinity water injection (LSWI) has shown improved oil recovery in both sand-

stone [1–5] and carbonate [6–8] reservoirs. Although the mechanisms behind the success 
of LSWI in carbonates have been studied extensively [9–14], decoupling the specific un-
derlying mechanisms remains a challenge. To tackle this challenge, a systematic study of 
the crude oil–brine–rock (COBR) interactions for each reservoir is critical. 

The initial reservoir wettability is a result of the chemical equilibrium established 
between rocks and reservoir fluids, due to millions of years of contact. The disequilibrium 
of the COBR system induced by the injection of a low salinity or modified salinity brine 
can lead to an increase in oil recovery [10,15]. Wettability alteration from this ‘initial res-
ervoir wetting state’ has been reported as the main mechanism behind enhanced oil re-
covery (EOR) by LSWI [15,16]. Wettability alteration itself is an effect produced by other 
microscale mechanisms, such as surface ion exchange [17], changes in surface charge [18], 
double-layer expansion [19], and mineral dissolution [20]. Other proposed mechanisms 
for the enhanced oil recovery by LSWI include fines migration [21–23], the dissolution of 
crude oil polar components into the brine [24,25], enhancement of the viscoelasticity of 
the crude oil–brine interface [26], and flow diversion by emulsification [23,27,28]. There is 
still a need to determine which mechanism is primary at particular reservoir conditions 
with a specific COBR system [18]. 
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One of the advantages of LSWI is that it can be integrated with other EOR methods 
in a hybrid process such as low-salinity water alternating CO2 flooding (CO2 LSWAG) 
[29], low-salinity polymer flooding [30], and surfactant improved low-salinity water 
flooding [31]. The combined method can benefit from both LSWI mechanisms such as 
wettability alteration and the mechanisms related to the second method, e.g., miscibility 
effect in CO2 LSWAG or oil viscosity reduction in combination with surfactant flooding 
[29]. 

The effect of a modified brine on oil recovery from core samples is routinely investi-
gated by forced imbibition (core flooding) experiments and is often supplemented by 
spontaneous imbibition tests [6,23,32–35]. Spontaneous imbibition is governed primarily 
by capillary forces, while in forced imbibition experiments viscous forces prevail [36]. A 
large number of core flooding experiments—which can be time-consuming, costly, and 
challenging—are needed for upscaling reservoir models [37]. Standard core plugs, with 
lengths of 2 to 15 inches and diameters of 1 or 1.5 inches, are widely used in core flooding 
studies; experiments conducted on these standard core plugs typically take weeks to com-
plete, especially when using tight carbonates samples [19,38]. Cores with reduced pore 
volumes can be used as alternatives [39] as they minimize experimental time and can be 
accomplished even with limited reservoir materials. 

One of the time-consuming steps in core flooding experiments is the restoration of 
the initial wettability of rock during core preparation, known as ageing. Ageing protocols 
have been investigated at reservoir conditions to examine either the optimum crude oil–
rock contact time in static conditions [40] or the flow rate and time of continuous injection 
in dynamic conditions [41]. Graue et al. (2002) investigated the wettability alteration of 
chalk samples as a function of the ageing method and reported that dynamic ageing was 
more effective in restoring the initial wettability than the static method [42]. They also 
concluded that shorter core plugs attained more homogeneous water saturation profiles 
during dynamic ageing compared to static methods [42]. Therefore, the reduced pore-
volume approach, together with dynamic ageing protocol, was implemented in the cur-
rent study to be able to restore the wettability more efficiently. 

Previous studies have investigated the role of brine chemistry [20,43], the oil phase 
[32], and rock chemistry individually or in combination, in a static manner. Examples in-
clude contact angle measurements or spontaneous imbibition tests [36]. Considering 
brine, rock, and oil interactions in designing experiments is important. Diluted seawater, 
for example, has been shown to have more impact on contact angle measurements [18] 
than on interfacial tension (IFT) [23,27]. This highlights the importance of a more compre-
hensive investigation of COBR interactions rather than pore scale experiments or fluid–
fluid studies [37,44]. It is also important to note that the effect of LSWI is reservoir-specific. 
In other words, a specific injection sequence that is effective in one reservoir is not neces-
sarily directly applicable to a new system. 

In the current study, we aim to demonstrate the response of reservoir samples from 
the Dan field to LSWI at different stages of flooding. Seawater, diluted seawater, and for-
mation water were injected systematically at reservoir conditions, and produced oil re-
covery curves were compared. To understand the effect of COBR individually, we inves-
tigate three different oil compositions: hexadecane, stearic acid–hexadecane, and reservoir 
crude oil. We selected reservoir core plugs from both the Ekofisk and Tor formations, as 
well as outcrop Stevns Klint chalk samples. 
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2. Materials and Method 
2.1. Materials 
2.1.1. Oil 

Hexadecane (analytical grade, Merck, Darmstadt, Germany) was used as a model oil 
for the first core flooding experiment; reservoir crude oil was used for the rest of the ex-
periments, except the second one. In the second experiment, a hexadecane–stearic acid 
mixture was used to mimic the acid number of the crude oil (i.e., 0.5 mg KOH/g oil); 0.48 
g stearic acid (99% purity, Sigma-Aldrich) was added to 250 mL of hexadecane. Acids are 
thought to play a key role in wettability alteration and modified salinity water injection 
[15]. The viscosity of the model oil was 2.15 cP. The density and viscosity of the crude oil 
used in these experiments (at 70 °C) were 0.83 g/mL and 3.04 cP, respectively; these were 
measured by an Anton-Paar viscosity meter. Before use, the crude oil was filtered with a 
7-micron filter at 70 °C. The Dan field crude oil SARA (saturates, aromatics, resins, and 
asphaltenes) fractions were as follows: 73.3% saturates, 15.3% aromatics, and 11.5% resins 
and asphaltenes, with the asphaltene fraction being too small to separate from resins. 

2.1.2. Brine 
Brines were synthesized gravimetrically by dissolving salts (NaCl, Na2SO4, KCl, 

MgCl2·6H2O, CaCl2·2H2O, SrCl2·6H2O, BaCl2·2H2O, CaCO3, and NaNO3) from Merck (99% 
purity) in ultrapure deionized water. Brine concentrations are shown in Table 1. The for-
mation water composition was reported in private communication with the field operator, 
and the mean seawater composition as reported by the Danish environmental authorities. 
In this table, FW stands for formation water, SW for seawater, and DSW (1/5), DSW (1/10), 
and DSW (1/20) for 5, 10, and 20-times-diluted seawater, respectively, where the fraction 
in the parenthesis represents the dilution factor with deionized water. In experiment 5, 
DSW (1/10) was spiked with two times more sulfate, shown as DSW (1/10) + 2S. DSW 
(1/10) + 2S + 4Mg stands for 10-times-diluted seawater spiked with 2 times more sulfate 
and 4 times more magnesium. DSW (1/10) + NO32− shows spiked diluted seawater with 
500 ppm sodium nitrate. The viscosity of formation brine was measured to be 0.47 cP at 
70 °C. 

Table 1. Calculated ion concentrations of synthetic brines in core flooding experiments according to Danish North Sea 
reservoir fluids and seawater. 

Ion (mg/L) FW  SW DSW (1/5) DSW (1/10) DSW (1/20) DSW (1/10) + 2S 
DSW (1/10) 
+ 2S + 4Mg 

DSW (1/10) 
+ NO32− 

Na+ 27,290 10,750 2150 1080 540 1218 1218 1269 
Ca2+ 1470 410 82 41 20.5 34 34 37 
Mg2+ 592 1100 219 109 55 128 512 128 

K+ 250 400 80 40 20 31 31 40 
Ba2+ 0.56 0 0 0 0 0 0 0 
Sr2+ 140 20 4 2 1 2 2 2 
Cl− 46,500 19,350 3870 1940 970 1936 3057 1934 

CO3− 0 0 0 0 0 0.4 0.4 5.2 
HCO3− 0 65 13 6.5 3 0 0 0 
SO42− 290 2000 400 200 100 561 561 281 
NO3− 0 0 0 0 0 0 0 500 

TDS (g/L) 80.68 39.34 7.87 3.93 1.97 4.52 7.73 4.80 
Ionic 

strength 
(mol/L)  

13.8 × 10−1 6.65 × 10−1 1.33 × 10−1 6.66 × 10−2 3.34 × 10−2 7.81 × 10−2 1.26 × 10−1 7.77 × 10−2 
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2.1.3. Core Plugs 
Reservoir core plugs were taken from two different wells. Reservoir, formation, well 

names, and measured depth of each core slice can be found in Table 2. Figure 1 and 2 
show the petrophysical logs of the two wells showing the depths from where core plugs 
were taken. Core plugs B-1 and B-2 were extracted from MFB-07 (Ekofisk formation) while 
Core plug C-1 was extracted from MFF-19P (Tor formation). These core plugs have Swi 
between 20–40%. The most homogeneous core plugs, i.e., without any obvious open frac-
ture, were selected after evaluating CT images of different core slices. The porosity and 
permeability of the clean core slices were measured by a Vinci Poro-perm instrument be-
fore flooding studies. The physical characteristics of core slices including porosity, per-
meability, and Swi are shown in Table 3. 

Table 2. Rock materials, well name, and depth of core plugs. 

Experiment Reservoir-Formation Core plug * Well Name Measured 
Depth (ft) 

Geological Position 

1, 2, 3 Outcrop-Stevns Klint A-1, A-2, A-3 Outcrop - - 
4, 5, 6 Dan-Ekofisk B-1, B-2 MFB-7 7399 D1A Base 
7,8, 9 Dan-Tor C-1 MFF-19P 8890 M1B2 

* A, B, and C refer to the main core plug names and the number after refers to the specific slice from the core plug. Some 
of the core slices were used in more than one experiment. 

 
Figure 1. The measured depth (7399 ft) of core plug B from well MFB-7, Danian age, Ekofisk formation. The slices from 
this core plug were used in experiments 4 to 6. 
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Figure 2. The measured depth (8890 ft) of core plug C from well MFF-19P, Maastrichtian age, Tor formation. A slice from 
this core plug was used in experiments 7 to 9. 

Table 3. Petrophysical characteristics of core plugs. Length L, diameter D, permeability K, and po-
rosity Φ were measured before flooding studies; pore volume PV, and initial water saturation Swi. 

Exp. Core Plug L (cm) D (cm) K (mD) Φ (%) PV (cc) Swi(%) 

1 A-1 1.57 3.66 3.04 47.4 07.8 22.1 
2 A-2 1.93 3.68 3.85 48.8 10.0 08.0 
3 A-3 1.58 3.65 3.77 50.8 08.4 22.4 
4 B-1 1.09 3.74 0.54 39.1 04.7 17.0 
5 B-2 1.08 3.76 0.64 42.5 05.1 19.6 
6 B-2 1.08 3.76 0.49 42.5 05.1 23.5 
7 C-1 1.54 3.79 1.13 36.4 06.3 21.7 
8 C-1 1.54 3.79 1.18 38.8 06.7 33.1 
9 C-1 1.54 3.79 1.27 38.8 06.7 35.1 

Although the Danish North Sea chalk is a mono-mineralic carbonate rock that con-
sists 80–90% calcite (CaCO3) with less amounts of clay minerals, the amount of clay varies 
slightly between the Tor and Ekofisk formations. The Danian Ekofisk formation is more 
rich in silica compared to the underlying Maastrichtian Tor formation and makes up a 
more heterogeneous and overall poorer reservoir interval in many of the producing fields 
in the Danish Central Graben [45,46]. Røgen and Fabricius (2002) investigated fifty-nine 
Tor and Ekofisk formation chalk samples from five North Sea chalk reservoirs. All con-
tained quartz and clay minerals, most commonly kaolinite and smectite, with trace 
amounts of illite. The clay content ranges from 0.1 wt% to 3 wt% in the Tor formation and 
can be as high as 21 wt% in the Ekofisk tight zone [47]. The specific surface area of Danish 
North chalk is well studied and modelled. The specific surface area of pure calcite powder, 
Stevns Klint chalk and Dan reservoir chalk has previously been measured by the BET 
method by Hao et al. (2020) to be 0.34, 2.21, and 2.70 m2/g, respectively [48]. 
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2.2. Core Preparation and Water Flooding 
Each core plug was cleaned and dried before use. Reservoir core plugs were cleaned 

by a flow-through method in which methanol and toluene were injected cyclically at 40 
°C through the core plug. Outcrop samples, which were too brittle for flow-through clean-
ing, were cleaned using a Soxhlet apparatus just with methanol solvent as the samples 
had not been in contact with oil. After cleaning, core plugs were dried at 70 °C in an oven 
until no further changes in core plug weight were observed. 

Ageing of the saturated core plug is necessary to condition the rock surface with the 
surface-active constituents in the crude oil. Ageing can be carried out by incubating the 
saturated core for a period to allow the fluids and surfaces to equilibrate, or by extending 
the drainage process by injecting multiple pore volumes of crude oil to achieve equilib-
rium. Both methods have been shown to change the wettability of carbonate rocks from 
water-wet to a mixed-wet state [42,49]; however dynamic ageing can be more effective in 
restoring the initial wettability of the core in shorter time [41]. In the dynamic approach 
in this study, 15–20 pore volumes of crude oil were injected through the core plug at two 
flow rates of 0.1 and 0.5 mL/min. Effluent oil polar compounds, specifically carbonyl-con-
taining compounds, were observed to stabilize in concentration during this injection pe-
riod. The core plug was then incubated for 2–3 days at reservoir conditions to allow for 
rock–fluid equilibration before brine injection studies. 

The core flooding rig, including cylinders for injection of different brines and oil, a 
Hassler core holder, and a back pressure regulator, was mounted in a 67 cm × 54 cm oven 
(Figure 3). Pressure, temperature, and flow rate data were recorded in a LabVIEW®, Na-
tional Instruments, Texas, USA program. A differential pressure (ΔP) transducer was in-
stalled to measure the pressure difference across the core plug. This transducer has a range 
of ±15 bar with an accuracy of ±0.5% full scale. All experiments were conducted at a tem-
perature of 70 °C and a pressure of 170 bar to mimic reservoir conditions in the Danish 
Southern North Sea oil reservoirs, from where the core material originates. 

 
Figure 3. Schematic of core flooding apparatus used in the study. The equipment mounted in the oven (the orange line) 
to be kept at reservoir temperature. 
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A fraction collector was employed to collect the effluents. Effluents were collected in 
cuvettes readable by a multi-wavelength separation analyzer (LUMiReader®, LUMTM 
GmbH, Germany) instrument in order to accurately measure the volumes of oil produced. 
This measurement technique allows for the detection of oil in the effluent with volumes 
in the 3–2500 µL range [50]. After saturating the core plugs with formation water, crude 
oil was injected into the core to establish initial water saturation (Swi). The Swi was calcu-
lated by material balance based on the produced water and the core pore volume. The 
flow direction was kept the same throughout each study, including flow-through clean-
ing, drainage process, and water flooding stages. 

Green and Willhithe [51] reported that, at capillary numbers (Nc) less than 10−6, the 
residual oil saturation (Sor) is relatively constant and not a function of the magnitude of 
Nc. In this study, the injection rates were chosen to maintain experiments in the capillary 
dominant region (i.e., Nc < 10−6). 

Table 4 presents a summary of the brine injection scenarios investigated in this work. 
These studies can be broadly divided into three groups based on the core material em-
ployed: 
(1) Stevns Klint (outcrop) chalk samples (Experiment 1, 2, and 3). We used a model oil 

with and without the presence of acid to evaluate the effectiveness of the timeline of 
the dynamic ageing method and its effect on the core wettability. 

(2) Reservoir rocks from the Ekofisk formation (Experiment 4, 5, and 6). We used a dead 
reservoir crude oil to evaluate the optimum stage of low salinity injection on oil re-
covery. 

(3) Reservoir rock from the Tor formation (Experiment 7, 8, and 9). Similar to the previ-
ous step, a dead reservoir crude oil was used. Injection scenarios were designed to 
complement those previously investigated on the rocks from the Ekofisk formation 
in the secondary and tertiary stage of flooding. 
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Table 4. Injection sequences and scenarios of core flooding experiments. 

Core Material Experiment Injection Scenario 

Stvens Klint  
1 FW  SW  DSW (1/10) 
2 FW  SW  DSW (1/5)  DSW (1/10)  DSW (1/20) 
3 FW  SW  DSW (1/5)  DSW (1/10)  DSW (1/20) 

Dan-Ekofisk 
4 FW  SW  DSW (1/5)  DSW (1/10)  DSW (1/20) 
5 SW  DSW (1/10)  DSW (1/10)+2S  DSW (1/10) + 2S + 4Mg 
6 DSW (1/10)  DSW (1/10) 500 ppm NO3  SW  DSW (1/10) 500 ppm NO3  FW 

Dan-Tor  
7 SW  DSW (1/10) 
8 DSW (1/10)  FW 
9 FW  DSW (1/10) 

2.3. Characterization Techniques 
2.3.1. Effluent Analysis 

Effluent brine samples were analyzed using ion chromatography (IC). Before analy-
sis, samples were filtered using a 0.2-µm syringe filter and diluted in deionized water. A 
ThermoScientific® Dionex ICS-1100 IC, Thermo Fisher Scientific, USA setup equipped 
with a Dionex IonPac CS16-4µm column was used. The eluent was an aqueous solution 
of 30-mM methanesulfonic acid (MSA). Each sample, placed in an auto-sampler, was run 
at least twice, and the mean values, within ±3% uncertainty, were reported. 

2.3.2. CT Imaging of Core Plugs 
A core slice was imaged (a) with pore-fluids of air after drying the core; (b) with FW 

after saturation; and (c) after flooding with the combination of FW and oil. The images 
were acquired in the Core Plug Geometry Settings with a custom-built submicron CT 
scanner. The X-ray tube operated at a 90-kV tube voltage and an 80-µA tube current, with 
a LaB6 cathode operating with a large focus size. A one-millimeter-thick copper filter was 
placed in front of the X-ray window to reduce beam hardening effects; other minor beam 
hardening effects were removed by filtration in the image processing and visualization 
stage. The exposure time was 4 s per frame, and 3 frames were averaged for each angle, 
3600 angles for each sample. The reconstructed image had a resolution of 92 µm/voxel. 
Octopus Reconstruction 8.9.4 reconstructed 3D images from projections. Image pro-
cessing and visualization were performed by AvizoTM 9.5, Thermo Fisher Scientific, USA. 

3. Results and Discussion 
3.1. Oil Effect 

Using Stevns Klint core samples, the role of the oil phase on the oil recovery results 
was investigated. In the first experiment, hexadecane was used as the hydrocarbon phase. 
In the second experiment, a stearic acid–hexadecane mixture was used to mimic the total 
oil acidity, and for the third experiment, reservoir crude oil was used. 

The results of the first experiment are shown in Figure 4. This figure shows no in-
crease in oil recovery with changing the injection brine from FW to SW, and SW to DSW. 
In addition, increasing the injection flow rate did not result in enhanced oil recovery. The 
lack of brine effect is expected as alkanes neither affect surface wettability alteration nor 
have strong fluid-fluid interactions [15,52]. In the second experiment (see Figure 5), a mi-
nor response was observed as brines changed from SW to DSW; this might suggest that 
the addition of stearic acid introduces a rock–fluid or fluid–fluid interaction which is sen-
sitive to brine composition. Experiment 3, using crude oil, also showed a response to a 
decrease in brine salinity—especially from FW to SW (Figure 6). 
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Figure 4. Oil recovery factors on outcrop chalk with hexadecane as the oil phase. 

 
Figure 5. Oil recovery of experiment 2 adding stearic acid to hexadecane as the oil phase and Stevns 
Klint as the rock material. The flow rate starts with 0.2 mL/min and increased to 0.6 and then to 0.9 
mL/min before changing each brine. 
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Figure 6. Oil recovery of experiment 3 using crude oil as the oil phase and Stevens Klint as the rock 
material. The flow rate starts with 0.2 mL/min and increased to 0.6 and then to 0.9 mL/min before 
changing each brine. 

Breakthrough times for these three experiments were similar, suggesting that the 
bulk viscous production was almost comparable as the same rock material was employed. 
However, comparing the oil production after breakthrough reveals information on the 
effect of surface wettability and the response of oil to various injected brine compositions. 
Experiment 1 shows a significantly lower production after breakthrough, followed by ex-
periment 2, and the most oil production (after breakthrough) was observed for the third 
experiment, which indicates the role of components present in the crude oil in changing 
the surface wettability during the period of ageing and its effect on oil production during 
the waterflooding stage in the same rock material. 

Standnes and Austad (2000) evaluated the effect of amount of acidic components of 
crude oil measured by the acid number (AN) on aging and the wettability alteration by 
spontaneous imbibition tests. They reported higher wettability alteration by increasing 
AN (mg KOH/g), which is mostly determined as carboxylic acids in crude oil [15,53]. 

Stearic acid was added to hexadecane in the second experiment to see the effect of 
presence of acids in the oil phase on aging and oil recovery. We compared the oil recovery 
from the two experiments with no acid in the oil phase (just hexadecane) and with pres-
ence of acid in the oil phase (stearic acid + hexadecane). We used crude oil in the subse-
quent experiments as the oil phase, because the model oil is not representative of the oil 
phase. 

The importance of various polar groups in the oil phase plays a major role in the 
restoring the initial core wettability and further response of the system to brine injection 
scenarios. 

3.2. Brine Effect 
Experiments 4–9 were conducted on reservoir core plugs from two different wells; 

various injection scenarios were implemented to evaluate the effect of brine composition 
on oil recovery. The detailed recovery curves versus injection pore volume are reported 
in the supplementary file. In this section, we focus on the effect of brine composition on 
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secondary and tertiary oil production. A summary of secondary and tertiary recovery fac-
tors for experiments 4–9 is reported in Table 5. 

Table 5. Different recovery factors at secondary and tertiary stages for experiments 4–9. 

Formation Experiment Secondary Brine RF  
(% IOIP) 

Tertiary Brine EOR  
(%IOIP) 

Ekofisk 
4 FW 59.2 SW 1.7 
5 SW 49.8 DSW (1/10) 4.9 
6 DSW (1/10) 59.1 DSW (1/10) + NO32− 0.0 

Tor 
7 SW 69.6 DSW (1/10) 1.1 
8 DSW (1/10) 85.4 FW 7.3 
9 FW 82.5 DSW (1/10) 0.0 

3.2.1. Secondary Water Flooding 
Figure 7 and 8 show the secondary and tertiary recovery factors obtained by injecting 

FW, SW, and DSW (1/10), using core plugs from the Ekofisk and Tor formations, respec-
tively. 
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Figure 7. (A) Recovery factors for secondary and tertiary stages of flooding for experiments 4 to 6 
on samples from Ekofisk formation. (B) Comparison of recovery factors as percentage of initial oil 
in place. Recovery factor curves versus injection pore volumes for all the flooding stages (after ter-
tiary) are shown in supplementary file (Figure S1). 
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Figure 8. (A) Recovery factors for secondary and tertiary stages of flooding for experiments 7 to 9 
on samples from Tor formation. (B) Comparison of recovery factors as percentage of initial oil in 
place. 

While the recovery factors for these two different rock materials are different, in both 
cases, DSW (1/10) and FW are better candidates for enhanced oil production when com-
pared to SW. This observation is in line with a recent study on reservoir chalk from Tor 
formation [54]. For core plugs from Ekofisk formation, both FW and DSW (1/10) showed 
more than 9% additional oil recovery compared to SW. The additional oil production 
when DSW (1/10) and FW were injected was even higher (up to 15%) for the core plug 
from the Tor formation. Differences in oil recovery factors can be attributed to differences 
in rock quality; this is further discussed in Section 3.3. 

3.2.2. Tertiary Water Flooding 
The tertiary oil production results also showed the potential of FW and DSW on im-

proving oil recovery. In experiment 6, DSW (1/10) spiked with 500 ppm of sodium nitrate 
was injected at the tertiary stage and no additional oil was recovered. Nitrate was added 
to diluted seawater just in one concentration to check the effect on oil recovery because it 
has shown positive effect on reducing souring in oil reservoirs [55]. Further, adding both 
sulfate and magnesium to DSW (1/10) (experiment 5) showed no impact on oil production 
after the tertiary stage. According to the results from Seyyedi et al. (2018), increasing the 
concentration of sulfate in SW in flooding experiments on reservoir core plugs from 
Ekofisk formation did not have any effect on oil recovery after secondary flooding stage 
[35]. In the same study, stronger oil recovery potential was reported for LSWI in second-
ary stage of flooding in comparison to the tertiary stage. It should be noted that, other 
than salinity, the main difference between FW, SW, and DSW is the higher concentration 
of magnesium and sulfate in the SW compared to FW and DSW. This could be the reason 
why the injection of FW and DSW leads to higher oil recoveries, both at the secondary and 
tertiary stages. This hypothesis needs further investigation which is outside the scope of 
the current paper. 

At the end of experiment 6, the core plug had incubation for approximately 17 h with 
DSW (1/10) + NO32− and FW in the pore space. In both brines, incubation led to an increase 
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in oil recovery factors near to 1.2% OOIP. This suggests the impact of incubation inde-
pendent of brine type (see Figure S1C in supplementary file). 

Effluents from experiments 5 and 6 (the same core slice was used for both experi-
ments) were analyzed for changes in ion compositions. Plots of ion concentrations as func-
tion of the injected pore volumes are included in the supplementary file (Figures S2–S4). 
In Table 6, the differences between the injected brine and steady-state effluent concentra-
tions for SW and DSW (1/10) are presented. 

Table 6. Deviations between injected brine and steady-states effluent concentrations. 

Brine 
Experiment 5 Experiment 6 

Na Mg Ca Na Mg Ca 
SW 1% −6% 13% 0% −1% 11% 

DSW (1/10) 7% −2% 66% 2% −5% 94% 

In both experiments, we observe significant increases, relative to the injected brine 
concentrations, in the effluent calcium concentrations; this is indicative of calcium car-
bonate dissolution [56]. We also observed a decrease in magnesium concentrations; these 
results are consistent with a recent core-flooding study on standard core plugs from Tor 
formation [54]. As shown in Table 6, these increases are higher with the injection of DSW 
(1/10). In contrast, minor decreases in the effluent magnesium concentrations were ob-
served. The increased production of calcium in the effluent brine and a corresponding 
decrease in magnesium during the flooding process can be attributed to the formation of 
Ca-Mg containing rock phases in carbonate rocks [57]. A similar trend was reported for 
sandstone core plugs [58]. 

3.3. Rock Effect 
A previous imbibition study reported that Tor core plugs had higher oil recovery 

factors (40–60%) when compared to those from the Ekofisk formations (15–25%) [59]. 
Spontaneous imbibition results for Tor formation correlated well with porosity, while, for 
Ekofisk formation cores, it did not correlate with any known rock property. Since the pore 
structures of both formations were reported to be similar, the differences in wettability 
and oil recoveries were related to differences in surface chemistry [60]. Consistent with 
previous imbibition tests in the literature, we observed higher oil recoveries in cores from 
the Tor formation. However, we propose that these differences can be attributed to varia-
tions in rock quality. Flow zone indicator (FZI), introduced by Amaefule et al. [61], iden-
tifies the hydraulic flow units based on the Kozeny–Carman model, which considers rock 
quality and pore structure. The modified flow zone indicator (MFZI) takes initial water 
saturation into account and could be used as a representative for the rock effect in water-
flooding experiments. This parameter can be calculated using the two equations below: 

FZI = 0.0314 k∅∅1 − ∅  (1)

MFZI = FZI × 1 − S(1 − S )  (2)

where permeability k is in mD; FZI and MFZI are in micron; and porosity (∅ ) and initial 
water saturation (S ) are fractions. Increasing both rock quality (k/∅) and initial water 
saturation increases the MFZI, therefore we can expect that, by increasing MFZI, the re-
covery factor will increase. Figure 9 shows the relationship between MFZI and oil recov-
ery factors (secondary stage) for experiments 4 to 9—all experiments conducted using res-
ervoir material. 
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Figure 9. Correlation between MFZI and secondary recovery factor. 

As shown in Figure 9, the oil recovery factors obtained from experiments on core C 
(Tor formation) have higher MFZI in comparison with core B (Ekofisk formation). Thus, 
core C from the Tor formation belongs to a different rock type than core B according to 
standard FZI-based rock type analysis [62,63]. This shows that higher MFZI can attribute 
in higher recovery factors for experiments on core plug C. It can be seen in this plot that 
the recovery factors for SW injection lie under the linear trend passing the recovery factors 
for FW, whereas the recovery factors for DSW lie above this trend line. 

3.4. Capillary End Effect 
In experiments 1–3, “bump” flooding was performed to evaluate the possible impact 

of capillary end effect on oil recovery. As shown in Figures 4–6, increasing the injection 
flow rate did not increase the production of oil, except for a minor effect in experiment 2 
during the first DSW stage. These observations support the assumption that capillary end 
effects are not significant at the experimental conditions. 

CT imaging of a core plug after a core flooding experiment was acquired to observe 
the fluid distribution. The FW and crude oil used to saturate the core and establish Swi 
were separately scanned and resulted in the following absorption coefficients, as shown 
in Table 7. 

Table 7. Formation water and oil absorption coefficients and uncertainties. 

Fluid Average X-ray Absorption Coefficient (cm−1) Uncertainty 
Formation water 0.221 0.0045 

Crude oil 0.176 0.0045 

A photo of the core slice after flooding is taken and 3D visualizations are prepared in 
reference to the geometry of the core in Figure 10. In this figure, photos of core slice (A, 
B), core material density variation (C), and fluid distribution (D) are shown. In part (E), 
fluid distribution superimposed on core density variation is shown. According to the re-
sults of FW and oil absorption coefficients, by increasing the X-ray absorption coefficient, 
water distribution will result from fluid distribution (oil and water), as shown in part (F). 
Figure 11 shows the core density variations superimposed on high-water-content regions 
of the core corresponding to higher X-ray absorption coefficients. It can be inferred from 
this photo that oil is not be only trapped at the edges of the core as the water distribution 
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is not homogeneous and the water seems to be able to penetrate permeable parts of the 
pores even at the edges. 

 
  

(A) (B) (C) 

   

(D) (E) (F) 

Figure 10. (A) photo of the core slice after flooding, (B) exterior of the core plug, (C) density variations, (D) qualitative 
fluid content, (E) fluid content superimposed on density variations, (F) fluid content that is highly likely to be the water 
phase. 

 
Figure 11. Fluid content that is highly likely to be the water phase superimposed on the density 
variations of the core plug (A video is provided in the Supplementary Materials). 

4. Conclusions 
In this study, chalk core samples, including outcrops and reservoir rocks, were used 

to investigate the effect of crude oil–brine–rock interactions during modified salinity wa-
ter injection. We employed a reduced pore volume approach, together with a dynamic 
ageing protocol. The main outcomes of this study are: 
(1) The presence of polar components in the oil phase has a significant effect on rock 

wettability during the ageing process. This subsequently affects the oil production 
during the water flooding stage. A significant difference was observed between a 
simple synthetic oil and reservoir crude oil, even when the total acid number was 
kept comparable. 
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(2) At the secondary injection stage, ten-times-diluted seawater and formation water re-
sulted in higher oil recovery than seawater. This was the case for core samples from 
both the Ekofisk and Tor formations. 

(3) Consistent with the literature, Tor samples had higher oil recoveries when compared 
to Ekofisk core plugs. The modified flow zone indicator, a measure of rock quality, 
is likely the main variable responsible for the higher oil recoveries observed in Tor 
core samples. 

(4) Bump flooding studies in Stevns Klint outcrops suggest that capillary end effects play 
a minor role. This effect, for the reservoir materials, with even lower permeabilities, 
would be much lower. In addition, CT images of a reservoir core after flooding show 
that capillary end effects are not significant even in these short core samples. 

(5) Different oil recovery factors resulted from reservoir material and outcrop samples 
(experiment 4 and 3) show the importance of using reservoir core material in the ex-
periments instead of outcrops. 
The present study was carried out on a series of short core plugs and it is important 

to note the similar results obtained from longer core plugs reported in Mokhtari et al. 
(2021) for Tor formation [54]. In addition, the effects of pressure and temperature on these 
low-salinity effects would be worth exploring in future work, as the present study is fo-
cused on the conditions for the chalk reservoirs in the Ekofisk and tor formations in the 
Danish North Sea. Further investigation on varying brine compositions would be of inter-
est as studies of the surface and alterations occurring during flooding. 

Supplementary Materials: The following are available online at www.mdpi.com/arti-
cle/10.3390/en14175360/s1, Figure S1: Recovery factor curves at difference stages of flooding versus 
injection pore volumes for (A) Exp 4, (B) Exp 5, and (C) Exp 6. Figure S2: Effluent sodium concen-
tration in Exp 5 (top) and Exp 6 (bottom). Recovery factor of the experiment is shown in circles. 
Figure S3: Effluent magnesium concentration in Exp 5 (top) and Exp 6 (bottom). Recovery factor of 
the experiment is shown in circles. Figure S4: Effluent calcium concentration relates to Exp 5 (top) 
and Exp 6 (bottom). Recovery factor of the experiment is shown in circles. 
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